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JIP Termsand Acronyms

General

BOP — Blow Out Preventer

DH - Direct Hydraulic

DSV — Diving Support Vessel
DTTAS-Dry Tree Tie-back Alternative Study
HPU — High Pressure Unit

LWRP — Lower Workover Riser Package
MSV — Multi-service Support Vessel
MTTR —Mean Time To Repair

PLEM - Pipeline End Manifold

WOCS — Waorkover Control System

Completion

Cl — Chemical Injection

CID — Chemical Injection Downhole

CV —Check Vave

DHPT — Down Hole Pressure / Temp Transducer
SCSSV - Surface Controlled Subsurface Safety Valve
TH — Tubing Hanger

Tubing Head

THL — Tubing Head Connector Lock

THU — Tubing Head Connector Unlock

THSU — Tubing Head Secondary Unlock

THT — Tubing Head/Wellhead Test

THTV — Tubing Head Test Vave

TreeCap
ACV —Annulus Cap Valve

PCV — Production Cap Valve

TCL —Tree Cap Lock

TCU —Tree Cap Unlock

TCSU — Tree Cap Secondary Unlock
TCT —Tree Cap Test

Manifold

FIVA —Fowline Isolation Valve — Header A
FIVB — Flowline Isolation Valve — Header B
MPV —Manifold Pigging Valve

PIVA —Pigging loop Isolation Valve — Header A
PIVB — Pigging loop Isolation Valve — Header B
WIVA —Wédll Isolation Valve — Header A
WIVB —Wédll Isolation Valve — Header B
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Tree

AAV —Annulus Access Valve

AlV — Annulus Isolation Valve

AMV — Annulus Master Valve

ASV — Annulus Swab Valve

AVV —Annulus Vent Valve

AWV —Annulus Wing Valve

AXV —Annulus Crossover Valve

Cl — Chemical Injection

CID — Chemical Injection Downhole
CIT — Chemica Injection Tree

CV —Check Vave

FCL - Flowline Connector Lock

FCU - Howline Connector Unlock
FCSU — Flowline Connector Secondary Unlock
FIV — Flowline Isolation Valve

HPH — High Pressure Hydraulics

LMV - Lower Master Valve

LPH — Low Pressure Hydraulics

PCV — Production Choke Valves
PDPG - Permanent Downhole Pressure Gauge
PIV — Production Isolation Valve

PMV — Production Master Valve

PSV — Production Swab Valve

P/T — Pressure Temperature Transducer
PWV — Production Wing Valve
SCSSV - Surface Controlled Subsurface Safety Valve
TCT — Tree Connector Test

TH — Tubing Hanger

UMV — Upper Master Valve

VPl — Variable Position Indicator

XOV —Cross Over Valve

Workover Riser

EDT — Emergency Disconnect Test
EDU — Emergency Disconnect Unlock
EDL — Emergency Disconnect Lock
AlV —Annulus Isolation Valve

PIV — Production Isolation Valve
XOV —Cross Over Vave
TRTT-Tree Running Tool Test
TRTU — Tree Running Tool Unlock
TRTL — Tree Running Tool Lock
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Surface Tree

SAMYV - Surface Annulus Master Valve
SAWYV - Surface Annulus Wing Valve
SASV - Surface Annulus Swab Valve
SPMV - Surface Production Master Vave
SPWYV - Surface Production Wing Valve
SPSV - Surface Production Swab Vave
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EXECUTIVE SUMMARY

The purpose of this Joint Industry Project (JIP) is to develop and demonstrate a probabilistic
procedure for assessing the lifetime risk and reliability adjusted cost of subsea production
systems with respect to safety, environmental and operational parameters. The results of this
Subsea JIP have been combined with the previous Dry Tree Tie-back Alternatives Study,
DTTAS, to provide a combined Spreadsheet Tool for assessing the lifetime risk and reliability
adjusted cost for either / both systems.

I. Background

There are a number of different ways of developing oil fields in deepwater. Dry Tree Tieback
Concepts (“Dry”) require a platform to support the permanently attached production/intervention
risers, but provide the efficiency and the convenience of direct well access for remedial
activities. Subsea Tieback Concepts (“Wet") provide greater flexibility in utilization of existing
infrastructure, well location and development schedules, but require more challenging and costly
well interventions/workovers. The fundamental question is whether the higher OPEX of a
subsea system is justified for the lower CAPEX as compared with a dry tree tieback system.
Either system can perform the functional requirement, and in many cases a hybrid solution is the
way to go. The chalenge is to identify and quantify the advantages and disadvantages for the
various concepts so that a decision can me made taking all economic factors into account.

In 1998 a methodology was developed by the Joint Industry Project (JIP) “Dry Tree Tieback
Alternatives’, sponsored by 12 oil companies and the US Minerals Management Service (MMYS),
to estimate CAPEX, OPEX and RISKEX (the probability of blowout during field life multiplied
by the cost of a blowout) for various well riser alternatives. The methodology was demonstrated
by comparing dual casing riser (“3 pipe’), single casing riser (“2 pipe’) and tubing riser (“1
pipe’) aternatives for SPARs and TLPsin 4000 and 6000 feet of water depth. The methodology
can be used to select the well riser system with the lowest total cost (CAPEX, OPEX and
RISKEX) taking site specific conditions into account. The objective was to identify significant
differences between the three riser tieback concepts, hence the methodology did not consider any
cost associated with “Production Downtime” or “Deferral of Revenues’ caused by incidents that
do not result in an uncontrolled release to the environment (e.g. downtime due to repair of
leaking tubing joint). The DTTAS did not included cost such as TLP or SPAR platform,
processing facilities, drilling and field operations. These costs were essentialy the same for all
the riser alternatives.

The methodology developed in this “Lifetime Cost of Subsea Production Systems JIP’ is
patterned after the methodology that has been developed and demonstrated in the “Dry Tree
Tieback Alternatives JIP” and previous studies, fil P| B [4 [§. In some respects this is an

1 Alan H. Woodyard, “Risk Anadysis of Well Completion Systems,” Journal of Petroleum Technology, April 1982, pp.
713-720.

2 Joint Industry Project, “Risk Assessment for Dry Tree Tieback Alternatives,” Phase 2 Study Final Report, March 1998.

¥ R Goldsmith, R. Eriksen, F. J. Deegan, “Lifetime Risk-Adjusted Cost Comparison for Deepwater Well Riser Systems”
presented at OTC in Houston, May 1999 (OTC 10976).

*  Remi Eriksen and Riley Goldsmith, “Selecting Deepwater Drilling and Production Riser Systems with Lowest Total
Field-Life Cost” presented at Deep Qil Technology Conference, Stavanger, Norway, October 1999.
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extension of the “Dry Tree Tieback Alternatives JIP’. Most of the project team members from
the “Dry Tree Tieback Alternatives JIP’ have participated in the project work in this JIP.

I1. Scope of Work

This “Lifetime Cost of Subsea Production Systems JIP” broadens the scope of the previous Dry
Tree Tieback Study to include conventional and horizontal tree subsea well systems in addition
to SPAR and TLP dry tree well systems. In addition, Reliability-Availability-Maintainability
expenditures, RAMEX, are included in this study. The methodology developed in this study is
especialy useful for comparing alternative field development scenarios. The following cost
elements are considered for dry tree and subsea systems.

o CAPEX, capital costs of materials and installation of the wells and systems. Materials
includes dry tree risers with associated equipment such as tensioners for TLP's, air can
buoyancy for SPAR’s and surface trees, subsea systems such as subsea trees, pipelines,
pipeline end manifolds, jumpers, umbilicals and controls systems. Instalation costs
includes vesseal spread cost multiplied by the estimated installation time and for rental or
purchase of installation tools and equipment.

» OPEX, operating costs to perform “planned” zonal recompletions. OPEX for these
planned recompletions is intervention vessel (MODU) spread cost multiplied by the
estimated recompletion time for each zonal recompletion. The number and timing of
planned recompletions are uniquely dependent on the site-specific reservoir
characteristics and operator’s field development plan. This study has developed a
methodology that permits the user to use individual well reserves, initial production rates
and production decline rates to “plan” a well recompletion schedule and a total field
production profile.

* RISKEX, risk costs associated with loss of well control (blowouts) during installation,
normal production operations and during recompletions. Risk cost is calculated as the
probability of uncontrolled leaks times assumed consequences of the uncontrolled |eaks.

* RAMEX, rdiability-availability-maintainability costs associated with well or system
component failures. Both the “loss of production” costs and “failed component
repair/replacement” costs are determined.

Cost elements that are beyond the scope of this study are:

* SPAR or TLP platform facilities materials and installation costs (platform, processing
facilities, export risers and pipelines, drilling/workover rig, etc.).

* Drilling costs.
* Downhole completion equipment costs (packer , tubing, SCSSV, etc.).

» Field operations costs such as platform maintenance, downhole treatment chemicals,
production operating personnel and boats and helicopters.

®  Remi Eriksen and Brian Saucier, “ Selecti ng Cogt-Effective and Safe Degpwater Completion Tieback Alternatives,”

presented at OTC in Houston, May 2000 (OTC 12167).

C:\TEMP\Section 0 - Executive Summary.doc



DNV, GEI, BSSC, VTL Subsea JIP
440-2620-0/:sd 3 September 2000

Many of these cost elements are the same for alternative field development scenarios.
However, comparison of subsea production systems with dry tree wells must include TLP
or Spar platform costswith thedry tree alternatives. Dry treedrilling costs may be greater
because directional wellsarerequired as compared to vertical subsea wells.

The methodology is developed to permit predictions of lifetime cost for a field development
based on statistical and judgmental reliability data and assumed system parameters.

* The system is broken down to alevel where some experience data is available and where
it is possible to evaluate failure modes and their corresponding effect on system level.

* The quality of the input data (reliability of completion string components, sand control
system failures, subsea equipment, risers, individual well production profiles, rig
availability time, rig spread costs, etc.) isindependently evaluated to minimize bias.

* The methodology and spreadsheet tool “model” show the sensitivity to changes in
specific input data that is not readily apparent otherwise.

e This model is especially useful to determine which parameters most influence field
development cost. The quality of data for these parameters can then be scrutinized to
achieve the maximum practical quality. Likewise, attempting to improve the quality of
datathat are of minor importance does not waste time.

* Sengitivity analyses can determine the financia incentive for improving reliabilities of
components.

The RISKEX and RAMEX calculation approach isillustrated in

Figurel: RISKEX and RAMEX Calculation Principles

X% Minor Conseq. (C,;,)
y%

Magjor Conseq. (Cy,4) |

2%

Ext. Conseg. (Cg,,)

“Lost Revenue”
(Waiting on Vessel +
MTTR)* #BO/D*$/BBL

“Intervention Cost”
(Spread cost for vessdl,
hardware, etc)

X+y+z =100%
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[11. Deliverables

The deliverables for this project are as follows:
* Ranked database of subsea component reliabilities.
*  Subsea system functional specification.
» Suite of well intervention operating procedures.
e Initia completions.
* Re-completions and workovers.
»  Subsea component repairs / replacements (tree, flowline, umbilical, control pod, etc.).
» Suite of subsea system component CAPEX.

» Spreadsheet model to calculate well related total costs: capital expenditures (CAPEX),
operating expenditures (OPEX), risk expenditures (RISKEX) and reliability-availability-
maintainability expenditures (RAMEX).

V. Subsea System

A 6-well satellite clustered subsea system was defined to provide a basis for analysis and testing
the model. The subsea system includes hydraulic and electrical umbilicals and pipeline
connecting the subsea system to a remote host platform. Flowline jumpers connect the pipeline
end manifolds to a 6-well manifold and well jumpers connect the manifold to individual wells
that are clustered around the manifold. Hydraulic and electrical flying leads connect the
hydraulic and electrical termination units to individual wells.

Although the base case for the model testing was the 6-well subsea system with 35 mile tieback
distance, the model evaluates subsea systems from afew as 2 or 3 wells to as many as 10 or 12
subsea wells at various tieback distances.

Specific well designs and operating procedures are developed for both conventional subsea tree
and horizontal subsea tree systems. There are significant differences between these systems,
especialy in the operational procedures repairing well system component failures.

Failure Mode Effects Analysis, FMEA, was performed to identify and document the failures and
potential consequences for the 6-well satellite clustered subsea system. This FMEA provided the
basis for developing the fault tree to calculate RISKEX and RAMEX.

Operating procedures are developed for initial installation of completion systems in pre-drilled
wells, planned workovers to new intervals as zones deplete, and unplanned workovers to repair
and/or replace failed components such as a sand control system or a leaking tubing string. These
operating procedures are used to calculate capital costs, CAPEX, the cost of planned
interventions, OPEX, costs to repair completions component failures, RAMEX, and individual
steps of the operating procedures define changes in the well control barriers that provide the
basis for risk costs, RISKEX.

C:\TEMP\Section 0 - Executive Summary.doc
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CAPEX is calculated as the total of well system materials and installation costs. The dry tree
alternatives materials costs are derived from the Phase | Dry Tree Alternative Study and include
riser related costs for:

e TLPor SpaIJ;|
» dual casingrisers, single casing risers and tubing riser materials
* 6 well system or 12 well system
*  4000-foot water depth ore 6000 foot water depth.
CAPEX for the subseawell system includes:

* Pipelines between the subsea wells and host facility,

pipeline end manifolds, PLEM,

»  subsea production manifolds,

* jumpers to connect the pipeline and manifold,

* hydraulic and el ectrical umbilicals,

e well jumpers, and

» conventional subseatrees or horizontal subsea trees.

Installation costs that are included in the CAPEX include the user defined vessel(s) spread costs
multiplied by the vessel(s) operating time for initia well interventions and initial subsea system
installations.

V. Base Case Results

The methodology and spreadsheet program developed by this Subsea JIP provides a means to
guantify the CAPEX, OPEX, RISKEX and RAMEX factors that determine the differences in
these well systems.

Severa Base Case calculations were run to compare the lifecycle costs of the alternative well
systems. The Base Case input data are summarized in Table 1.

The lifecycle costs (CAPEX, OPEX, RISKEX and RAMEX) for the different well system
alternatives are shown for one of the case examples in Figure 2. Platform and facilities costs
must be included with these costs to deter mine the most economical well system and field
development plan.

® CAPEX includes only wel system costs such as riser components and subsea facilities. Cogts for the TLP or Spar
platform, processing facilities, drilling facilities, drilling of wells and downhole completion tools are not included.
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Tablel: CaseStudy Input Data

Casel Case2a Case2b
Field Life (years) 10 10 10
Zone depth (feet BLM) 10,000 10,000 10,000
Pipeline size (in) - for subsea equipment 12 12 12
Pipeline length (mi) — for subsea equipment 35 35 35
Infield extension (mi) — for subsea equipment 5 5 5
Facilities processing limit (MBOPD) No limit No limit No limit
Qil op. margin in year produced ($/bbl) 8 8 8
Discount rate for NPV calculations (%) 15 15 15

6 wells 12 wells

number of frac pack wells 3 6 3 3
number of horizontal wells 3 6 3 3
number of planned uphole frac packs 2 4 4 1
number of planned sidetrack frac packs 2 4 4 1
number of planned sidetrack horizontals 2 5 4 1
number of unplanned tree replacements 2 4 1 35
number of unplanned downhole repairs 2.5 5 5 15
number of unplanned sand control repairs 5 10 8 3
Limited uncontrolled release cost ($/ BOPD) $1,700 $1,700 $1,700
Major uncontrolled release cost ($/ BOPD) $35,000 $35,000 $35,000
Extreme uncontrolled release cost ($/ BOPD) $250,000 $250,000 $250,000
X-factor 0.8 0.8 0.8
SCSSV location (feet below mudline) 2000 2000 2000
Common cause factor for DC system 0.003 0.003 0.003

Figure 2:
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Subsea wells can be located at locations that are remote to a drilling or production facility
whereas dry tree wells require an expensive platform. However, subsea wells generaly
experience lower operating efficiency “Uptime,” and repair costs and lost production greater
than dry tree well systems. Figure 2 shows atypica RAMEX case example where the dry tree
wells have about 98% uptime as compared to about 90% uptime for subsea wells. Repair costs
for the dry tree wellsis in the range of 12 to 15 million dollars as compared to 65 to 69 million
dollars for subsea wells. The production lost cost is 25 to 30 million for the dry tree wells as
compared to about 132 million for the subsea wells.
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Table2: Completion Alternatives RAMEX Results— Case 1a, 6 wells, 4000 ft

Dual Casing| Single Casing | Tubing Riser | Conventional | Horizontal
% Uptime 98.0 % 97.8 % 97.8 % 89.6 % 89.6 %
Repair Cost (SMM) 11.4 12.0 15.7 69.4 64.1
PRODUCTION LOST ($MM) 25.6 29.1 28.9 132.3 131.9
Total RAMEX ($MM) 37.0 41.1 44.6 201.7 196.0

A case example is also shown in the Results Section of this report to demonstrate the differences
in conventional and horizontal subsea tree systems. Horizontal subsea tree system permits
workover operations without removing the subsea trees. This system is most economical if
numerous workovers are required for recompletions to new zones.

Conventiona subsea trees can be replaced more easily than horizontal trees in the event of the
failure of atree valve or actuator. Conventional subsea trees can be replaced without pulling the
completions string; horizontal subsea trees require the completion string to be pulled prior to
pulling the tree. Therefore, the most economical type of tree is influenced by the reliability of
the tree components such as valves, valve actuators, connectors, etc.

VI. Acknowledgements

The Joint Industry Project (JIP) team for the “Lifetime Cost Of Subsea Production Systems’
project wishes to acknowledge the participation and assistance from the representatives from the
following companies:

» Arco Exploration and Production Technology (now BP Amoco)
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11

1.2

INTRODUCTION

Purpose

The purpose of this Joint Industry Project (JIP) is to develop and demonstrate a
probabilistic procedure for assessing the lifetime risk and reliability adjusted cost of
subsea systems with respect to safety, environmental and operational parameters. The
results of this Subsea JIP have been combined with the previous Dry Tree Tie-back
Alternatives Study, DTTAS, to provide a combined Spreadsheet Tool for assessing the
lifetime risk and reliability adjusted cost for either / both systems.

Background

The methodology used in this study is patterned after the methodology that has been
developed and demonstrated in previous studies [1,[3, [3 |4 [§. In some respects this
“Lifetime Cost of Subsea Production Systems” Joint Industry Project is an extension of
the Dry Tree Tie-back Alternative Study, DTTAS. Most of the project team members
from the DTTAS have also participated in this subsea study. The DTTAS Phase | study
estimated Capital Expenditures (CAPEX), and Operating Expenditures (OPEX), for three
different dry tree riser configurations for both Tension Leg Platforms (TLPs) and Spar
Platform Buoy (SPAR) facilities in the deepwater Gulf of Mexico. The Phase Il study
extended the analysis to include a method of determining a risk cost for these three riser
alternatives.

Phase | of the DTTAS developed a set of reservoir specifications typical for Gulf of
Mexico reservoirs. CAPEX and OPEX curves were calculated for a range of variables
that included:

e TLPand SPAR platforms,

e 6and 12 well systems,

» dual casing, single casing and atubing riser systems,
» 2000, 4000 and 6000 feet water depths,

* 3%inch and 5 % inch tubing completions.

The Phase Il of the DTTAS utilized the Phase | design basis and extended the
comparison to include RISKEX, the potential cost associated with losing well control
(blowout) for these aternative systems. The methodology to determine RISKEX
involves the calculation of total well system reliability based on individua completion
component reliabilities and the steps of the installation, production and workover
operations.

1. AlanH. Woodyard, “Risk Analysis of Well Completion Systems,” Journd of Petroleum Technology, April 1982, pp. 713-720.

2. Joint Industry Project, “Risk Assessment for Dry Tree Tieback Alternatives,” Phase 2 Study Final Report, March 1998.

3. R Goldamith, R. Eriksen, F. J. Deegan, “Lifetime Risk-Adjusted Cost Comparison for Deegpwater Well Riser Systems’ presented & OTC in Houston,
May 1999 (OTC 10976).

4. Remi Eriksen and Riley Goldsmith, “ Sdecting Deepwater Drilling and Production Riser Systems with Lowest Total Fed-Life Cost” presented a Deep

Oil Technology Conference, Stavanger, Norway, October 1999.
5. Remi Eriksen and Brian Saucier, “ Selecting Cost-Effective and Safe Deepwater Completion Tieback Alternatives,” presented at OTC in
Houston, May 2000 (OTC 12167).
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Individual completion components were identified and ranked according to sealing
mechanisms, installation difficulty and operating conditions to estimate completion
component reliabilities where statistical data were unavailable or sparse. Fault Trees
were developed to calculate the lifetime system probability of an uncontrolled leak to the
environment based on individual completion component reliabilities for each alternative
well system and leak size. Several hundred fault tree calculations were carried out to
estimate probabilities of an uncontrolled leak to the environment (limited, maor and
extreme) during the production mode and each step of the well intervention operations.
A spreadsheet program was devel oped to facilitate the RISKEX calculation.

The leak frequencies predicted by the system reliability models developed by this JIP are
very close to industry statistical blowout frequency data. This close agreement between
prediction and observations strongly supports the validity of the individual completion
component reliability data set that was developed inthe DTTAS.

1.3  Scope

This “Lifetime Cost of Subsea Production Systems’ study broadens the scope of the
previous Dry Tree Tie-back Study to include conventional and horizontal tree subsea well
systems as well as SPAR and TLP dry tree well systems. In addition, Reliability-
Availability-Maintainability Expenditures, RAMEX, are included. The following cost
elements are considered for dry tree and subsea systems.

» CAPEX, capital expenditures related to materials and installation of the wells and
systems. Materias includes dry tree risers with associated equipment such as
tensioners for TLP's, air can buoyancy for SPAR’s and surface trees, subsea
systems such as subsea trees, pipelines, pipeline end manifolds, jumpers,
umbilicals and controls systems. Installation includes vessel spread cost
multiplied by the estimated installation time and for rental or purchase of
installation tools and equipment.

» OPEX, operating expenditures associated with the time to perform *“planned”
zonal recompletions. OPEX for these planned recompletions is MODU spread
cost multiplied by the estimated recompletion time for each zonal recompletion.
The number and timing of planned recompletions are uniquely dependent on the
site-specific reservoir characteristics and operator’s field development plan. This
study has developed a methodology that permits the user to use individua well
reserves, initial production rates and production decline rates to “plan” a well
recompletion schedule and atotal field production profile.

* RISKEX, the potential expenditures associated with loss of well control
(blowouts) during installation, normal production operations and during
recompletions. Risk cost is calculated as the probability of uncontrolled leaks
times assumed consequences of the uncontrolled leaks.

* RAMEX, reliability-availability-maintainability costs associated with well or
system component failures. Both the “loss of production” costs and “failed
component repair/replacement” costs are determined.
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Cost elements that are beyond the scope of this study are:

* SPAR or TLP platform facilities materials and instalation costs (platform,
processing facilities, export risers and pipelines, drilling/workover rig, etc.),

» Drilling costs,
*  Downhole completion equipment costs,

» Field operations costs such as platform maintenance, downhole treatment
chemicals, production operating personnel, and boats and helicopters.

Many of these cost elements are the same for alternative field development
scenarios. However, comparison of subsea production systems with dry tree wells
must include TLP or Spar platform costs with the dry tree alternatives. Dry tree
drilling costs may be greater because directional wells are required as compared to
vertical subsea wells.

14  Methodology
The project tasks and work flow areillustrated in

Figurel.1l: Project Tasksand Work Flow
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15

16

Deliverables
The deliverables for this project are as follows:
» Database of subsea component reliabilities.
*  Subsea system functional specification.
» Suite of well intervention operating procedures.

» Initia completions

» Re-completions and workovers

» Subsea component repairs / replacements (tree, flowline, umbilical,
control pod, etc.)

» Suite of subsea system component CAPEX.

e Spreadsheet model to calculate well related total costs: capital expenditures
(CAPEX), operating expenditures (OPEX), risk expenditures (RISKEX) and
reliability-availability-maintainability expenditures (RAMEX).

The data sources used consist of both participant surveys and generic industry databanks
asfollows:

» Existing Dry Tree Riser Study (Downhole Components).
* SINTEF data.

* OREDA Data Handbook.

*  WeéelMaster Database.

» Engineering judgement

e JIP participants survey forms.

» Ranking Techniques

Base Case Design

The base case design used for this subsea study includes the same down hole completion
components and reservoir parameters that were used in the DTTAS. This base case
design is used to demonstrate the methodology and to compare subsea with dry tree
systems.

The subsea development will be offset 35 miles from the host facility. There will be two
12" flowlines for pigging purposes. Six wells will be controlled and monitored via a
Electro-hydraulic Multiplexed Control system. In-field hydraulic and electrica
umbilicals will be independently run from the host and terminated at the subsea end with
a hydraulic distribution manifold (HDM) and electrical distribution manifold (EDM).
ROV instalable flying leads will provide the interconnection between the EDM and
HDM to provide both electrical power and signal to each tree subsea control module and
low/high pressure control supply and chemical supply.
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The host facility will support the hydraulic power unit (HPU), chemical injection pumps
and fluids storage, and surface master control station (MCS). The subsea MCS will be
integrated into the host facility main shutdown systems. In the event of a subsea or other
disruption, host process operations will trigger a shut-in of the subsea field.

The production controls system will control and monitor all sensors and provide a means
of remotely operating all hydraulic tree valves, downhole SCSSV, downhole pressure and
temperature (P/T) sensors and manifold crossover valves. Hydraulic pressure and
electrical power and signal provide the means to communicate with each tree via the E/H
mux control pod. The pod is a unit that can be recovered and replaced with lower cost
intervention vessels in the event of failure or loss of control. Due to disruption of either
the electrical or hydraulic system, the design of the valves is fail safe closed (FSC)
allowing complete shut-in of the system.
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Figurel.2: Satellite Cluster
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isashort description of the overall system and reservoir parameters used in this
study.

Table1.1: Base Case Matrix

Description of Alternatives Variations

Dry Tree Riser Tieback Configurations (A) 2
- Conventional Subsea Trees 1

- Horizontal Subsea Trees 1
Water Depths of 4000 ft and 6000 ft (B) 2
Production tubing size of 5.5 inch (C) 1
Weélls per platform (D) 2
-6 wells 1

- 12 wells 1
Intervention frequency (E) 2
- High # of downhole failures and low # of tree replacement failures 1

- Low # of downhole failures and high # of tree replacement failures 1
TOTAL CASES (AXBxCxDXxE) 16

is a short description of the overall system and reservoir parameters used in the
DTTAS Phase Il study.

Table1l.2: DTTASPhasell Base Case Matrix

Description of Alternatives Variations
TLP and Spar Buoy Development Scenarios (A) 2
-TLP 1
- SPAR 1
Dry Tree Riser Tieback Configurations (B) 3
- Dual Casing Risers (Similar to Shell Auger/Mars) 1
- Single Casing Risers (Similar to Conoco Jolliet/Heidrun) 1
- Tubing Riser Design (New Design, uninsulated case only) 1
Water Depths of 4000 ft and 6000 ft* (C) 2
Production tubing size of 5.5 inch* (D) 1
WEélls per platform (E) 2
- 6 well 8 dot platform 30 MBOPD 1
- 12 well 16 sot platform 60 MBOPD 1
TOTAL CASES (AXBXCxDXE) 24
*  The DTTAS Phase | also considered 2000 ft water depth, 3 %2 inch tubing and insulated tubing riser

alternatives.

1.7  Reservoir Characteristics
The following reservoir characteristics have been used.
» Thefieldlifeis 10 years.

* The reservoir depth is 10,000 feet below the sea floor for both water depths
considered.
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* The estimated true vertica depth of the wells is 14,000 - 16,000 ft. (Well
intervention operations are based on reservoir depths of about 15,000 ft

subsea.

* The flowing tubing pressure is 5,500 psi and the shut in tubing pressure is

6,500 psi. (10,000 psi working pressure equipment is required).

* All equipment israted for 10,000 psi operating environment.

¢ The maximum flow rate from awell is 15 MBOPD.

* The number of well intervention operations expected in the field life is shown

in
Table1.3: Expected Number of Planned Well I nterventions
o ) Number Required
Initial Installations, Planned / Unplanned Wor kovers
Based on 10 year Producing Life 12 Well 6 Well
Case Case
Initial Installation of Frac Pack Completion 6 3
Initial Installation of Horizontal Lateral Screen Completion 6 3
Pull Completion, Plug Lower Zone and Install Uphole Frac Pack Re-Completion 4 2
Pull Completion, Plug Lower Zone, Sidetrack and Re-complete with Frac Pack 4 2
Pull Completion, Plug Lower Zone Sidetrack and Re-Completion Horizontal Well 5 2

1.8 Environment

The base case subsea system is a six well development — assuming Gulf of Mexico
environment and metocean conditions. Water depths considered are 4,000 and 6,000

feet.

Standard subsea wellheads have been assumed with conventional structure casing

string(s) jetted into soft soil conditions.
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2. METHODOLOGY

This section documents the methodology developed to estimate the lifecycle cost of
subsea production systems.

21 Introduction

The economics of deepwater developments are different from shelf activities. Deepwater
is characterized by high capital expenditures with relatively low operational expenditures
and high sustainabl e production rates - hence high costs for production interruption.

Field development profitability is afunction of many income and expense factors such as
capital expenditures (CAPEX), operating expenditures (OPEX), production rate, product
price and the frequency of completion component failures. Component failures reduce
the field total production rate and increase intervention expenditures.

Until recently it was quite common for the decision making process used to evaluate
deepwater ventures to focus on optimizing the balance between potential revenue,
CAPEX and OPEX according to the equation:

Profit = Max (Revenue - CAPEX - OPEX) (2.2)

The shortcoming in this equation is that it does not take into account unscheduled and
unplanned events that have the potential to destroy a facility, tarnish a company’s
reputation, pollute the environment, and/or shut down production for along time. Magjor
accidents, although highly unlikely, have the potential to put afacility out of business for
3, 6, 12 months or even render it totally useless.

When moving into deeper water, the economic penalty for delayed/lost production
becomes greater. The uncertainty related to whether “unforeseen” events will occur is
also increased as prototype and novel technology are introduced into an operating
environment not encountered in shallow water platform design. Furthermore, subsea
well system repairs and interventions also become more expensive and are associated
with longer delays due to reduced availability and increased mobilization times for the
required repair vessels. The alternative to a subsea system, a dry tree tieback concept
provides the efficiency and the convenience of direct well access, but requires the surface
host to support the weight of permanently attached production/intervention risers for
which the load cost penalty and the likelihood of ariser leak increases with water depth.
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The implications of disasters and business interruptions should be incorporated into
business decision analyses that seek to evaluate the viability of alternative designs. These
analyses introduce two more components to the economic “balance’, namely, risk
expenditures (RISKEX1[| and reliability/availability/maintainability  expenditures
(RAM EX2[| It takes a balanced, mature appraisal of the uncertainties and risks involved
when considering front-end cost savings (CAPEX) that may have detrimental
consequences on initial, intermediate and long-term revenue streams.

Inclusion of an "unforeseen” RISKEX and RAMEX element into equation (2.1) modifies
the economic model to:

Profit = Max (Revenue - CAPEX - OPEX — RISKEX - RAMEX) (2.2)

The methodology is developed to permit predictions of lifetime cost for a field devel opment
based on Hatistical and judgmentd redliability data and assumed system parameters. It might
be asked “Why not smply estimate the lifetime cost for a field development rather than
estimating al these input parameters?” The answers are:

* The system is broken down to a level where some experience data is available and
whereit is possible to evauate failure modes and their corresponding effect on system
level.

* Thequality of the input data (reliability of completion string components, sand control
system failures, subsea equipment, risers, individua wel production profiles, rig
availability time, rig spread costs, etc.) isindependently evauated to minimize bias.

» The methodology and spreadsheet tool “model” show the sendtivity to changes in
specific input datathat is not readily apparent otherwise.

» This modd is especidly useful to determine which parameters most influence field
development cost. The quality of data for these parameters can then be scrutinized to
achieve the maximum practical quality. Likewise, timeis not wasted by attempting to
improve the quality of datathat are of minor importance.

* Sendgtivity analyses can determine the financial incentive for improving
reliabilities of components.

1 RISK EXpenditures (RISKEX) are defined as the costs associated with the risks of a blowout. It is derived by
estimating the frequency of the event and multiplying the frequency by the estimated cost (clean-up cost, outrage
cost, asset damage cost and business interruption cost) for that event.

2 Reliability/Availability/Maintainability EXxpenditures (RAMEX) are defined as the cost associated with lost
revenues and interventions due to component failures.
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2.2  System Boundaries

The systems that can be analyzed by using the proposed methodology are typical high-
rate, deepwater well completion systems and cover both subsea well tieback and dry tree
tieback concepts. A subsea well intervention has longer rig availability and mobilization
time, is more sensitive to weather conditions, and is associated with higher day rates for
the repair resource. However, all these parameters are part of the input data specified by
the user.

The methodology includes:

Subsea: Downhole completion components, casing, wellhead equipment, subsea
production trees, flowline jJumpers, tie-in sleds, flowlines and risers (up to
the boarding valve), subsea control module, control jumpers, subsea
distribution units, umbilical termination assemblies, umbilicals, topside
controls and chemical injection points.

Dry Tree:  Downhole completion components, casing, wellhead equipment, risers,
tensionerg/air cans, surface production tree and manifold up to the 1% stage
separation isolation valve.

For both concepts the well intervention equipment (risers, BOPs, controls, etc.) necessary
to install and workover the completion equipment are included.

Examples of sand control systems considered by this project are frac-packs and horizontal
laterals with gravel pack.

2.3 LifeCycle Cost Calculations

The CAPEX, OPEX and RISKEX occurs during different times in the field-life. The net
present value of future costs is used to take the time value of money into account. The
lifecycle cost is calculated by:

RISKEX RAMEX
Lifecycle Cost =CAPEX + OPEX +RISKEX + RAMEX =CAPEX + Y 2Pk . §° TPk, § Ttk

kD{l,N} (1+r)k kD{l,N} (_’]_+r)k E{_’]_,N} (1+r)k

where OPEXy, RISKEXy, RAMEX represent the OPEX, RISKEX and RAMEX in year
k respectively, r isthe discount rate and N isthe field-life in years.

The various cost elements are defined as follows:
CAPEX: Includes material cost and costs associated with install ation

OPEX: Includes intervention costs associated with “planned” interventions, i.e.
re-completions caused by depleted reservoir zones.

RISKEX: Includesrisk costs associated with blowouts

RAMEX: Includes lost revenues and intervention cost associated with “unplanned”
intervention, i.e. interventions caused by component failures such as sand
controls system failures, tubing leaks and production tree valve failures.
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232

The RISKEX and RAMEX element is further illustrated in[Figure 2.1]
Figure2.1: RISKEX and RAMEX Calculation Approach

X% Minor Conseq. (C, ;)

y% ,
Magjor Conseq. (Cy4)

2%

Ext. Conseq. (C,)

“Lost Revenue”
(Waiting on Vessel +
MTTR)* #BO/D*$/BBL

“Intervention Cost”
(Spread cost for vessdl,
hardware, etc)
The method by which these cost elements are calculated is described in the following

sub-sections.

X+y+z =100%

Operating Expenditures (OPEX)

Each of the identified intervention procedures are broken into steps. The duration of each
step is estimated based on a combination of historical data and expert judgement. Thisis
further documented in Section 5. The non-discounted OPEX associated with a re-
completion is estimated as:

OPEX = (Intervention Duration) x (Vessel Soread Cost)

Risk Expenditures (RISKEX)

The probability of failure of the well completion system is afunction of the probability of
failure during the various operating modes (drilling, completion, normal production,
workovers and re-completions). The lifetime probability of ablowout is calculated as:

P(BO during lifetime) = P(drilling) + P(initial compl.) + P(prod) + Z P(WO) + z P(re-compl.)

The cost of a blowout depends on the size of the release (“Limited, “Major” or
“Extreme”). The Risk Cost (RC) associated with a certain activity (j) was calculated as:

RC(j) = Z Prob; (activity j)-C;
iC{limited, major, extreme}
where Probj(activity ) is the probability of a blowout of size i during activity j, and C; is
the cost of leak of size, i O {limited, major, extreme}. This is further described in
Section 7.
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2.33 Rédiability, Availability and Maintainability Expenditures (RAMEX)
The RAMEX isdivided into two:

* Cost associated with lost revenues
* Cost associated with interventions

For the model developed, the consequence for the production in a given year depends on
the following:

* The production rate at the time the failure occurred
» Lost capacity while waiting on repair resources
* Avallability time for the repair resources
* Mobilization time for the repair resources
* Activerepair time
An exampleis given below:
Example 1:

* Failure: Workover (WO) required to repair the failure in year

* Resource: Rig

* Production loss. 50% while waiting on rig (90 days) + 30 days for WO.
» Production rate: 10,000 BOPD in year 3.

* Lost volume: (05+90 days + 1*30 days)*10000 BOPD = 750,000BBL

The financia consequence of awell failure will in addition to the factors discussed above
depend on:

* Failuretime
e Qil operating margin in year produced ($/BBL)
e Spread cost for intervention vessel ($/day)

An example is given below:
Example 2:

WO required to repair the failure

* Resource: Rig

» Failuretime: year 3

* Production loss. 50% while waiting on rig (90 days) + 30 days for WO
* Production rate: 10,000 BOPD inyear 3

e Soread cost for Rig: $100,000 per day

e Oil operating margin in year produced: $10/BBL

e Discount rate: 15%

» Financial Consequence (FC):

FC = Lost Revenues + Intervention Cost
$10 per BO N $100,000/d* 30days

: = 49MM +2MM =6.9MM
(1+0.15) (1+0.15)

FC = (0.5* 90days + 1* 30days)* 10,000BOPD*
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The RAMEX calculations are described in more detail in Section 8.

234 [Input Data

The main data entry items are described in the following subsections. Example values
are included for illustration only and can be modified as required in the developed

spreadsheet tool.
2.3.4.1 Field Data
(a) General:
Parameter Example Values
Fieldlife (years) 20
Wells—Dry Tree Tieback Type Dual Casing Riser
System
Wells — Subsea Tieback Type Horizontal
Wells— Platform SPAR'
Wells — Number of Dry Tree Wells (#) 12
Wells — Number of Subsea Wells (#) 4
Wells — Water Depth for Dry Tree Wells (feet) 5000
Wells — Water Depth for Subsea Wells (feet) 6000
Wells — Zone Depth for Dry Tree Wells (feet BM L, measured) 10000
Wells — Zone Depth for Subsea Wells (feet BML, measured) 8000
Flowline size (inches) 12
Flowline length (miles) 20
Infield Extension (miles) 5
Facilities Production Capacity Limit (M BOPD) 100
Qil operating margin in year produced ($/BBL) 8
Discount Rate for NPV calculations (%/year) 12

* Dry Treeonly
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(b) Repair Resource Data:

Example Values
Parameter AvaTi lability [ oo Cost
ime
(days) ($/day)
Rig (MODU) (8 point spread moored) 120 $240,000
Pipeline Installation Vessel (DP, heavy lift capability, etc.) 60 $340,000
Umbilical Installation Vessel 30 $200,000
MSV Spread (Capability to support lightweight packages) 7 $60,000
DSV Spread (ROV only —monitor and visual checks) 5 $30,000
TLP or SPAR Platform Rig 30 $120,000
Wireline or Coiled Tubing Unit 2 $25,000

2.3.4.2 Production Profile

The production profile is generated by using a Production Profile Builder. Input to this
builder are:

e Type of completion (Dua Casing, Single Casing, Tubing Riser, Conventional
Subsea Tree or Horizontal Subsea Tree)

 Type of operation (Initial Completion — Frac Pack, Initial Completion —
Horizontal, Workover — Sidetrack Frac Pack, Repair Completion Systems Leaks,
etc.)

o Start of initial completion (years)

* Tota volumein one zone (MM BBL of ail)
* Initial Production Rate (M BOPD)

* Declinerate (% per year)

Based on this data the time to re-completion (T) due to zone depletion can be calculated
according to the following formula:

] nVIna-a)
) . Ro [T _ " 365R,
v_365JR0(1 a)tat In(l—a)((l a) 1):>T 3

where
-V =Volume (BBL of Qil)
- Ro =Initial Production Rate (BOPD)
- a=Production Rate Decline rate per year (%o/year)
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The principle adopted in this study is further illustrated in[Figure 2.3 and the profile for
each well is added together for each year to generate atotal field production profile.

Figure2.2: Timeto Re-Completion —Calculation Principles

Input:

* Dry Treeor Subsea

» Wdl operation type Output:

e |nitial rate - e Timeto re-completion (T)

Decline rate (% per year)
Total production volume

Rate (BBL/D)
A

, » Time
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Figure2.3: Production Profile Generated Based on I ndividual Zone Depletion

BBL/D
A
Well 1 l\‘ l\‘ l\‘
>
A time
well 2 l\‘ I\‘ l\‘
>
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; >
! | time
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The Production Profile Builder Dialog Box in the JIP developed spreadsheet tool is
shown in|Figure 2.4

Figure2.4: Production Profile Builder Dialog Box

Profile Builder HE|
Seleck the appropriate zone characteristics: el 4 |1
Type of completion: - AINGEGIRG_ENG—_G_G - |
Type of aperation: I- j

Skark of initial drilling [vears); 1]
Total Yolume (MM EC): 1]
Initial production rate (M BOPDY: |0

Decline rate (% per year):

Calculaked time ko re-completion (vears); IIII
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An example of production profile generated is shown in[Figure 2.5/and [Figure 2.6,

Figure2.5: Production Profile— Table Format

Well Forecast Well Production Rates - Average Daily Production Rate for Each Year (M BOPD)

Number | 1 2 3 4 5 6 7 8 9 10 11 12 13 14 15 16 17 18 19
All Wells| 25 49 69 87 | 114 | 137 | 131 | 124 | 118 | 112 | 119 | 101 | 86 73 62 53 22 14 6

1 1241 120] 102 9.0 [ 134|114 | 97 [ 82 | 70 | 6.0 | 100 85 [ 72 | 61 | 52 | 44

2 1241120]102] 90 134|114 97 [ 82 ] 70 | 60 |100| 85 | 72 | 61 | 52 | 44

3 0.0 1241 120] 102 ] 90 | 134 | 114 9.7 8.2 7.0 10.0 8.5 7.2 6.1 5.2 4.4

4 0.0 1241 120] 102 | 90 | 134 | 114 9.7 8.2 7.0 10.0 8.5 7.2 6.1 5.2 4.4

5 00 | 00 | 1241 120[102) 90 | 134[124] 97 | 82 | 100]| 85 | 72 | 61 | 52 | 44

6 00 | 00 | 1241 120[102) 90 | 134[124)] 97 | 82 |100]| 85 | 72 | 61 | 52 | 44

7 124 | 12.0] 10.2 9.0 134 | 114 9.7 8.2 7.0 6.0 5.1 4.3 3.7 3.1

8 124 | 12.0] 10.2 9.0 134 | 114 9.7 8.2 7.0 6.0 5.1 4.3 3.7 3.1

9 124 | 12.0 | 10.2 9.0 134 | 114 9.7 8.2 7.0 6.0 5.1 4.3 3.7 3.1

10 1241120 102 | 9.0 | 134]114] 97 | 82 | 70 | 60 | 51 | 43 | 37 | 31

11 1241 120]102| 9.0 [134]114)| 97 | 82 | 70 | 60 | 51 | 43 | 37 | 31

12 124 | 120 | 10.2 9.0 134 | 114 9.7 8.2 7.0 6.0 5.1 4.3 3.7 3.1

Figure2.6: Production Profile—Graph For mat
160 System Capacity Limits

0 /\’\0\
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100 A . . .
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SUBSEA SYSTEM DESCRIPTION

System Description ~-Well Satellite Clustered System

The proposed system will consist of asingle six well, piggable, 10,000-psi manifold with
dual 6-inch or 8-inch uninsulated export flowline tiebacks to an existing host facility.
The proposed system is illustrated in The flowlines will initiate at the
platform with the second end using a conventional Pipeline End Module (PLEM) in the
deepwater section. It is assumed that the installation sequence will allow the flowlines
and umbilicals to be installed prior to the manifold installation. The manifold considered
will be designed with dual valve block headers that allow independent production access
to either flowline. These valves will be hydraulically operated with ROV (remote
operated vehicle) override. Each tree pod will control their respective pair of manifold
valves via a dedicated flying lead. Manifold design is assumed to be fully rig moonpool
recoverable and re-installable. The satellite cluster detailed in[Figure 3.9 depicts both the
conventional tree and horizontal tree cases.

Flowline Jumpers will connect the manifold to the PLEM’s. Well Jumpers will be used
to connect each well to the respective well location on the manifold. Pigging access will
only be in the main flowlines — no pigging will be assumed through the tree or jumpers.
It is assumed that all hydrate and wax/paraffin blockages will be batch treated with
chemicals and/or suppressed using insulation techniques (VIT, annulus blanket, etc.). No
through flowline (TFL) capabilities will be assumed for remediation through the tree
and/or jumpers.

Utility lines (e.g., chemical injection (Cl), annulus vent (AV), low pressure hydraulic
(LPH), high pressure hydraulic (HPH), one spare) will be delivered to the field viaamain
utility umbilical from the production head and will provide discrete distribution of the
chemicals (MeOH, paraffin inhibition, asphaltene dispersants, etc.) to each well via
flying lead connections from the utility distribution structure to each well.

Tree configurations in the base case will be conventional (dual bore 4 x 2 — 10M) with a
standard valve configuration to perform basic operability functions. The well sequences
will include unloading single zones to the Mobile Offshore Drilling Unit (MODU).
Subsea insert chokes are assumed. The sequence steps will include the overall time and
cost estimates for completing the unloading operations and for reaching a pre-determined
well clean-up / flowing condition. Instrumentation will consist of pressure/temperature
sensors, sand (presence) detection and Permanent Downhole Pressure Gauge (PDPG)
with continuity back to the host. Well testing will be conducted by difference and no
multiphase meters will be used in the flow stream.
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Figure3.1: Satellite Cluster
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3.2

Tree configurations in the other case will be horizontal style trees (4 x 2 — 10M) with a
standard valve configuration to perform basic operability functions. The well sequences
will include unloading single zones to the MODU via the tubing hanger system. Subsea
insert chokes are assumed. The sequence steps will include the overall time and cost
estimates for completing the unloading operations and for reaching a pre-determined well
clean-up / flowing condition. Instrumentation will consist of pressure/temperature (P/T)
sensors, sand (presence) detection and permanent down hole pressure gauge (PDPG) with
continuity back to the production head. Well testing will be conducted by difference and
no multiphase meters or downhole venturi meters will be used in the flow stream.

Single flowline valves will be located on the pipeline end manifold (PLEM) to alow
commissioning and pressure isolation. These valves are assumed to be buttweld prep end
connections to reduce leak pathsin the flowline PLEM.

Topside design will be suitable for handling oil/water and gas phase of production at the
established rates selected in the DTTAS evaluation.

System Interface Boundaries

The subsea production system has been configured into various sections (or
subassemblies) to provide a reference link to the failure mode identification process.
Each section isillustrated in greater definition in the following sections. Major interfaces
were identified in both pressure containing and pressure controlling areas such that
proper evaluation and assessment could be established between the wet tree and dry tree
production systems. The system depicted in is the proposed clustered subsea
system interface excluding the installation and workover module for both tubing hanger
and tree installation modes for a Vertical and Horizontal style completion system.
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Figure3.2: Subsea Production Boundaries
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3.3  Conventional/Vertical Tree- Equipment Description
331 General

3.3.1.1 General Field Arrangement

The subsea development will be offset 35 miles from the host facility. Six wells will be
controlled and monitored via a Electro-hydraulic Multiplexed Control system. In-field
hydraulic and electrical umbilicals will be independently run from the host and
terminated at the subsea end with either a hydraulic distribution manifold (HDM) or
electrical distribution manifold (EDM). ROV instalable flying leads will provide the
interconnection between the EDM and HDM to provide both electrical power and signal
to each tree subsea control module and low/high pressure control supply and chemical

supply.

The host facility will support the hydraulic power unit (HPU), chemical injection pumps
and fluids storage, and surface master control station (MCS). The subsea MCS will be
integrated into the host facility main shutdown systems. In the event of a subsea or other
disruption, host process operations will trigger a shut-in of the subsea field. Selected
levels of ESD (emergency shut down) is beyond the scope of this document and will not
be anal yzed within the subsea production controls section.

3.3.1.2 Production Control System

The production controls system will control and monitor all sensors and provide a means
of remotely operating all hydraulic tree valves, downhole SCSSV, downhole pressure and
temperature (P/T) sensors and manifold crossover valves. Hydraulic pressure and
electrical power and signal provide the means to communicate with each tree via the E/H
mux control pod. The pod is a unit that can be recovered and replaced with lower cost
intervention vessels in the event of failure or loss of control. Due to disruption of either
the electrical or hydraulic system, the design of the valves is fail safe closed (FSC)
allowing complete shut in of the system.

3.3.1.3 Hydraulic Distribution System

The hydraulic distribution system that supports the subsea wells is termed an “open loop”
system, which vents pressure at the subsea tree. The vented fluid is a water based
hydraulic control fluid. The system will utilize a common LP (low pressure) supply for
operation of the FSC valves and a common HP (high pressure) supply to operate the
downhole SCSSV valves in each well. The hydraulic distribution system will retain a
single spare line in the event of failure within one of the main supply lines. Accessto the
spare line could be handled via one of the logic interface caps located on the hydraulic
distribution manifold.

End termination couplers are assumed to have metal to metal sealing with stainless steel
tubing in al the hydraulic and chemical distribution lines on the HDM and tree. Manual
isolation valves were assumed for the hydraulic distribution manifold, this simplifies the
design.
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3.3.1.4 Electrical Distribution System

The electrical system will utilize common power and signal cable that will be combined
via a single dedicated pair of electrical conductors. Each well will have a single pair of
electrical conductors that will be used as the main power and signal conductor between
the SCM (subsea control module or “pod”) and the host facility master control station
(MCS). Electrical flying leads will be installed using the ROV and “wet” mateable
connectors on the tree and electrical distribution module (EDM) .

3.3.1.5 System Interfaces

332

Within the analysis of the system failure modes, the production control system was
broken down into discrete interface areas that combined the resulting failure probability
of each connection (either hydraulic or electrical) and the associated assembly failure of
the control pod, high pressure unit (HPU), chemical injection system, and umbilicals
(either hydraulic or electrical). This combined assessment provides areliability factor for
the design which isintegrated into the service reliability of the subsea system. Failures of
sensors and selected monitoring devices do NOT aways warrant an active intervention.
M easurements or monitoring can often be achieved via alternative means.

Wellhead System

The subsea wellhead system provides the foundation support for al casing strings and a
method by which the casing annuli can be sealed and tested. The well is supported by an
outer structural casing that transfers all the bending, induced moments into the
surrounding soil environment. The main component of the system is the wellhead
housing. This large, high pressure component houses all of the internal casing hangers
and packoff assemblies. The 18 34" wellhead housing provides the main connection with
the BOP connector and Tree connector. The wellhead system detailed in
highlights the main components of the system.

The system design requires a dedicated tubing head spool (THS) that provides an
interface to the jumper connection system, and interfaces with the wellhead and tubing
hanger systems. also highlights the THS connector interface with the
wellhead.
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Figure3.3: Conventional Tree- Wellhead System
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333 Tubing Hanger System

The tubing hanger (TH) system is a conventional dual bore design and will be installed
viaa conventional 18 ¥’ — 10M BOP stack. The tubing hanger is detailed in
The TH will utilize a direct acting workover control system while in the workover mode.
The TH will be landed in a lockdown profile in the wellhead and will seal to the
wellhead, thereby isolating the production casing hanger packoff. The system will be
fully locked and preloaded to resist thermal expansion loading effects of the tubing to tree
interface. The TH will provide both a 4-inch and 2-inch vertical access bore with
positive wireline set plug preps. Additionally, the TH will alow a remote connection to
be made between the tree and TH for PDPG connections.

A dual tubing workover riser and direct hydraulic (DH) control system will be used to
install and test the TH system. The workover riser will consist of a dedicated production
and annulus bore riser system with vertical annulus access. The well will not be
unloaded in the TH mode, it will only be unloaded in the tree mode. Downhole chemical
injection mandrel and SCSSV lines will penetrate through the TH system. The TH will
be installed using a tubing hanger running tool (THRT) and BOP spanner assembly to
allow upper annular packoff using the BOP stack. The proposed configuration is detailed

in[Figure 3.5
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Figure3.4: Conventional Tree- Tubing Hanger
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Figure 3.5:

Conventional Tree- Completion Riser — Tubing Hanger Mode
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334 Production Tree System

A conventional tree system will be configured using a 4” x 2" configuration. The tree
consists of 4” vertical access production bore with wireline plug access to the TH via the
tree. The annulus bore will be 2" nominal with direct wireline access to the TH annulus.

Base case configuration of the tree valves will be for the production mode: lower master
valve (LMV), production safety valve (PSV), production wing valve (PWV), chemical
injection downhole (CID), chemical injection tree (CIT), pressure/temperature sensor
(PIT - 2 - production side), pressure/temperature sensor (P/T -1 - annulus), crossover
valve (XO), Choke, flowline isolation valve (FIV), annulus master valve (AMV), annulus
swab valve (ASV), and annulus wing valve (AWV). The tree will interface with an 18
¥4 —10M working pressure profile (typical wellhead interface seal — VX, AX, etc.). The
design will use a dedicated tubing head spool to allow the system to be compatible with
guidelineless (GLL) operations for both drilling and completion. The proposed tree is

detailed in Figure 3.6

The production control system will be E/H Multiplex (Mux) with flying lead connections
between the tree and the electrical and hydraulic distribution manifold. The production
control system will be operated from the production host via the electrical and hydraulic
umbilical infrastructure. Back up contingency for power and signal will be inherent in
the design to ensure dual redundancy for the controls. Remote vertical access to the
control pod via a mobile offshore drilling unit (MODU) or multi-service vessel (MSV)
will be assumed.

It is assumed that the flowlines will be designed to the maximum working/testing
pressure of the system, however, during startup and shut down it is assumed that choking
isrequired. ROV insert chokes (4" — 10K) are assumed for the base case design. MODU
and/or MSV interface for recovery in a GLL will be the primary method of remediation
and intervention. The chokes are to be operated via the E/H (Mux) production control
and will not be required to be functional via the workover control system. All control
line tubing on the tree will be fully welded to reduce leak paths.

All tree valves and stab seals in the system should be designed using metal to metal seals
with resilient backup. Testing of all seals and valves will be required prior to installation.
All valves will incorporate a metal to metal floating gate design with resilient (non-
metallic) single stem seal. No backseat will be required on the valves. With reference to
the hydraulic valves will be used as shown and should be designed for full
4,000 psi control system pressure actuation. The tree will have ROV override
functionality for al valves with standard rotary type interfaces applied. Hot stabs will be
used for direct access to test ports and pressure gauge packs.

The following illustration (Figure 3.7) is the Tree Process and Identification drawing for
the tree pressure containing and pressure controlling interfaces.
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Figure3.6: Conventional Tree- Tree Boundaries Bore Section
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Figure3.7. Conventional Tree- Treein Production Mode - Tree Cap Installed
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335 Treelnstallation and Workover Control System

Due to the depth requirements for a conventional tree, a dual riser is the assumed base
case design requirement. Alternate riser configurations for the workover mode can be
applied (i.e., tripping the tree on drillpipe and re-entering using other premium strings or,
for the 4,000 foot case, multiple string riser design is an option, but not a preference).
The workover control system (WOCS) will be configured to operate all workover control
functions inside the emergency disconnect package (EDP), lower workover riser package
(LWRP), tree valves, downhole sensors and control lines. The system will be a dual
redundant system in relation to power and signal. There is a single source for the
hydraulic supply, however, in an emergency case, backup hydraulic accumulator supply
will be available. The system will be integrated into the tree and fully tested prior to
offshore mobilization and offshore installation. The production and annulus bores will be
metal to metal sealing system with resilient backup on all subsea remote connections. All
connections made-up at surface will be fully tested. The tree completion in the workover
modeisillustrated in Figure 3.§]
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Figure3.8: Conventional Tree- Tree Completion — Workover Mode
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336

337

Tree Cap

The tree cap will provide a link from the workover control system (WOCS) to the
production mode control system. A hydraulic actuated connector with a series of
hydraulic couplers will be simultaneously made up during the installation. Electrical
connection between the tree and tree cap will be made during this operation, completely
isolating the tree WOCS from operation of the tree. Metal to metal sea barriers with
resilient backup rings will provide the backup to the environment as a secondary barrier
to the production swab valve (PSV) and annulus swab vave (ASV). Controls for
actuation are provided by the ROV or direct hydraulic utility control bundle.

Flying Leads

Both electrica and hydraulic utility requirements will be via independent flying lead
connections between the Electrical Distribution System and Hydraulic Distribution
System. These connections will be diverless, ROV assisted and completed off the critical
path of the rig based MODU operations. Hydraulic couplers will be used for the
connection of the chemical injection, annulus swab valve (ASV), low pressure hydraulic,
high pressure hydraulic, and spare lines. The electrical connections will be the
conventional deepwater wet mateable connections suitable for handling the power and
signal requirements of the E/H Mux system. The hydraulic distribution system is detailed
in{Figure 3.9
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Figure3.9: Hydraulic Distribution System (valid for Conventional and Horizontal Tree)
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Chemical I njection System

The base case system will rely on a discrete continuous chemical injection system
supported by the host platform. The direct lines will supply a deepwater distribution
manifold from which jumper interconnections can be made in the event of line loss or
failure. The system will not use chemical injection chokes or modules for metering or
regulation of the flow. It isassumed that the topside facility will be able to batch treat the
chemical supply and have the reserve volumes suitable for the system design. The
chemical distribution lines will be routed directly from the host via the hydraulic
distribution module.

Electrical Distribution System

The electrical umbilical will be laid as an independent line from the host to an electrical
distribution termination. The termination assembly will be in the field location of each
well center and will distribute the signal and power requirements to each pod in the field.
The basis of the installation approach is that each flying lead will be installed from therig
(MODU) and can be serviced/replaced either from a diving service vessel (DSV) or
multi-service service vessel (MSV). The eectrical distribution system is detailed in
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Figure3.10: Electrical Distribution —Electric Flying Lead (valid for Conventional and

Horizontal Tree)
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3.3.10 Jumpers (Well Jumpers)

The function of the well jumper is to provide a high-pressure conduit between the tree
and manifold. Each well will have full well stream design capability downstream of the
startup and shutdown choke. The jumpers will be fully hard piped and will utilize metal
to metal seals as a primary barrier with resilient backup. By design, the system will allow
for remote seal interchangeability v